Shales constitute about 75% of most sedimentary basins, however, studies dealing with their elastic properties and seismic response are relatively few. Mapping the distribution of shale gas sweet spots and identifying their thermal maturity, organic carbon richness and natural fracture network using seismic data are of critical importance for unconventional gas field exploration and development. These studies can be further developed to include the analysis of fracture information from seismic data and VSP data all of which form inputs to a fully coupled geomechanical flow simulator which can be used to forward model fluid flow and accurate displacements and stresses at any location and time. Combining these with the microseismic data both forward modeling and measurement and analysis allows for the generation of a calibrated coupled geomechanical flow simulator to predict drainage areas, production rates and ultimate recovery.
Introduction
The successful development of a shale gas depends upon the ability to understand a number of key factors and these include: Understanding where the sweetspots are. Determining how the brittle or plastic zones are distributed. Where the fracture systems are located, bound up in this are questions on the geometry, locations and scales of the fracture systems. The drainage of the area, how will the reservoir produce, are there any preferential drainage pathways; how are the fractures connected; will areas be by passed during production and how long the reservoir or section of the reservoir will produce economically.
These questions and other can be addressed by the application of a workflow as outlined in the figure shown in Figure 1 . Figure 1 ; Schematic of a workflow that can be used in the evaluation of a shale gas resources.
Methodology
To address the questions posed in the development of a shale gas/liquid resources, some of which are outlined above a number of analyses and modeling steps should be conducted as shown in Figure 1 , underpinning all these are the essentials of geology and petrophysics and rock physics.
As a source rock matures, a portion of the solid organic matter is transformed to liquid or gas hydrocarbon which moves into the pore space and displaces the formation water. Passey (1990) introduced a method to identify organic rich shale from organic lean rocks using sonic and resistivity logs. The method is called the delta log R technique and employs the overlaying of a properly scaled sonic log on a resistivity curve (preferably from a deep-reading tool) as displayed in Figure 2 . Total organic carbon in organic-rich rocks can be quickly estimated by Bowman's (2010) modified method which includes cross-plotting sonic log data versus the logarithm of resistivity data ( Figure 3 ) and determining the shale line that can then be used to calculate a pseudo-sonic log that is then displayed over the existing sonic logs to determine the organic shale potential. In water saturated, organic lean rocks, the two curves are parallel to each other and can be overlain, since both curves respond to variations in formation porosity; however, in either sand hydrocarbon reservoir rocks or organic-rich shales, a separation between the curves occurs. Using the gamma ray curve, sand reservoir intervals can be identified and eliminated from the analysis. The separation in organic rich intervals results from two effects: the sonic curve responds to the presence of low density, low velocity kerogen and the resistivity curve responds to the formation fluid. In an immature organic rich rock, where no hydrocarbons have been generated, the observed curve separation is due solely to the sonic curve response. In mature source rocks, in addition to the sonic curve response, the resistivity increases because of the presence of generated hydrocarbons. The magnitude of the curve separation in shales is calibrated to total organic content and maturity. This method allows organic richness to be accurately assessed in a wide variety of lithologies and maturities using common well logs. These initial studies support the additional work that is conducted to investigate the elastic properties of the organic rich shales. The seismic properties of kerogen itself and the seismic response to kerogen maturity of organic rich shales are poorly investigated. Kerogen maturity changes the shale texture and can generate microcracks and fractures in the rock matrix. Uncertainty in predicting maturity from indirect measurements (seismic) can be significantly reduced by finding correlations between physical properties, microstructure and kerogen content. Based on the empirical relations between "Kerogen-modified Porosity" and the elastic properties of shale (Prasad et al, 2009), porosity has been correlated to the bulk modulus (K) and the shear modulus (µ) of shale. Lame's parameters, which are indicators of incompressibility ( ρ) and rigidity (µρ) can be correlated to the kerogenmodified porosity. Lame's parameters are determined as routine products of most inversion workflows and can be derived for the organic rich shale intervals. Formation porosity and saturation can be derived as additional products of inversion workflows that can be used to determine the maturity index (MI).
Conventional seismic data can be AVO inverted to LMR parameters with the results being used to map lithology and geomechanical attributes (Figure 4 ).
Typical least-squares inversions create instabilities over thick sequences where there are few impedance contrasts, resulting in the inverted property being forced to a mean value which is not a true representation of the thick sequence. This is a particular problem in thick shale gas sections where there are usually not many strong impedance changes, resulting in inaccurate characterizations. To address this issue, a joint categorical/continuous Simultaneous Inversion scheme has been developed. This method mitigates the instabilities mentioned by applying an a-priori term to the leastsquares inversion which is specified for all facies expected. The solution alternates between 2 steps until changes are negligible: 1.
Impedances are updated using the current facies estimate. 2.
Facies are updated using the current impedance estimate. Convergence is assured since the algorithm is guaranteed to increase the likelihood at each iteration.
The use of inversion schemes to determine elastic properties forms only part of story and the workflow. The use of other inversion schemes such as layer based simultaneous multi azimuth inversion schemes to determine anisotropic attributes that can be interpreted in terms of fracture orientation and fracture density can also form part of the workflow and assists in answering one of the questions relating to fracture geometries, intensities and locations. Such data along with other fracture data derived from image logs where these are present or from Vertical Seismic Profiling studies (VSP) using 3C and 9C data sets and or walk away or walk around surveys can be used in the construction of discrete fracture networks. A rose diagram from the interpretation of shear wave splitting data of a multi-offset survey is shown in Figure 5 . The inclusion of both deterministically derived fault/ fracture data from seismic interpretation, either obtained by the manual interpretation of 3D data sets or the automatic fault/fracture extraction combined with the stochastically derived information can be used to develop an understanding of the fracture systems within the shales.
This knowledge can, simplistically, be used for example in well planning and the design of well treatment programs, by avoiding or targeting those areas and zones that are naturally fractured. However, the fracture information built into a model can more usefully be utilized in forward dynamic modeling. Using a fully coupled geomechanical flow simulator (Figure 6 ) allows both the fluid flow through fractures and pressure and stress changes to be modeled, allowing e.g. reservoir deformation and drastic permeability changes (due to fractures opening or closing) to be evaluated. Coupling deformation and fluid flow allows accurate displacements and stresses to be computed at any location and time. This approach allows the quantification of the links between stress, strain, porosity, flow and how these control production.
The modeling can also be used to forward model fracture treatment programs illustrating the development of new fractures or the reactivation of pre-existing fractures (Figure 7) . The question that generally arises is how effective has the treatment program been in the generation of new fractures. Firstly the modeling can also simulate where microseismic events may be generated in the model and secondly the real microseismic data can be monitored using a suitable array of geophones. The careful and detailed analysis of recorded microseismic data allows for the generation of a wealth of additional information on the fractures including their sizes and types of failure mode that can be used to determine whether a fracture is new or occurs on a pre-existing feature. The forward modeling and comparison of these with the recorded microseimic data allows for "FracMatching" which results in the production of a calibrated geomechanical flow simulator that can be used to predict drainage areas, production rates and ultimate recovery.
Conclusions
This paper discusses the use of workflow designed to address unconventional reservoirs and in particular shale gas resources. The workflow s underpinned by geology, petrophysics and rock physics and draws on seismic inversion methods and layer based simultaneous multi azimuth inversion schemes to determine anisotropic attributes that can be interpreted in terms of fracture orientation and fracture density. These data along with other fracture information derived from the manual and automatic fault/fracture extraction methods can be used to develop discrete fracture network models and form the inputs to a fully coupled geomechanical flow simulator. This can be used to model fluid flow and pressure changes and also enables reservoir deformation and microseismic events to be modeled. When the modeled microseismic data are matched with monitored data through "Frac-Matching" which can provide feedback to revise the analysis of geomechanical properties, fracture orientation and scale until the observed and simulated phenomena are in agreement at which point the coupled geomechanical flow simulator may be considered to be calibrated.
